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AnbOckue kapOonarsl cBuTH Kuccama B Oacceitne Kamnoc Ha 1oro-Bocroke bpasunn sSBIsIOTCS Bax-
HBIMH KoJUIeKTOpamu Hedtu. OHM SBISIOTCA YacThIO KapOOHATHOW TIaropMbl, KoTopas chopMUpoBaiach
BIIOJIb BOCTOYHOTO 1oOepekbst bpasunmu u 3anagHoro nodepexsst AQpuku B anp0e, 9To MPUBETIO K OTKPHITHIO
I0)KHOH 9acTh ATJIaHTHYECKOTo oOKeaHa. BriociencTBny kapOOHATHBIH KOJUIEKTOP ITOABEPTCsl Pa3IHIHBIM IIOCT-
CeJMMEHTAMOHHBIM JIMareHEeTHYECKUM IpoleccaM. B HacTosieM HcCiieoBaHuH JUIsS OLIEHKH ITOPHCTOCTH
9TOr0 KOJUIEKTOpa Hcronb3oBanuck pesynsrartel I'MC, BKiIIOUas TaHHBIE 10 €ro IIOTHOCTH, MOPUCTOCTH IO
HEWTPOHHOMY KapOTa)Ky M Pe3y/lbTaThl aKyCTHUECKOro KapoTaxa. [lomydeHHbIe OLEHKHN TI0XO0 COIacyIoTCs ¢
71a00paTOPHBIMH H3MEPEHUSIMU OPUCTOCTH. Y UUTHIBAsI TOT (PaKT, 4TO KApOTaXKHBIE JHArPAMMbI OBIIH MOTyde-
HBI Pa3HBIMH (PU3MUYECKUMH METOAAMH, JJISI TAJIBHEHIITNX OIIEHOK OBLIH HCIIOJIb30BaHbBI MHOXKECTBEHHAS JINHEH-
Hasl perpeccHs U HCKyCCTBEHHasl HEHpOHHAs ceTh ¢ 0alleCOBCKMM CTOXaCTHYECKUM IMOIXO/I0M, UTO TTO3BOJIMIIO
OLICHUTB MTOPUCTOCTH OoJIee TOUHO. [I0CKONBKY MOPUCTOCTB SIBISIETCSI BAXKHBIM HETPO(YU3HUESCKUM TapaMeTpoOM
JUISL XapaKTePUCTUKH KOJIEKTOPOB, B lalIbHEHIIIEM €€ 3HaUeHHsI HCIIONIb30BAINCE JUTs OLIEHKH MPOHUIIAEMOCTH
1 BOJOHACHIIIEHHOCTH KapOOHATHOTO KOJIJIEKTOPA ¢ MOMOIIBIO SMIIUPHUECKUX ypaBHeHHH. HenocrarouHo ome-
HUTB JINIIb Pa3MEPHOCTH MOPUCTOCTH, HEOOXOIMMO €IIe M ONPEASNIUTh ee THUIL. J{iis 3Toro ObLIN MCHONIB30Ba-
HBI IUTACTOBBIN KOA((UINEHT, KOd(DPHUINESHT [IEMEHTHPOBAHHS W 3HAUCHUS M3BHIMCTOCTH IIOPOBBIX KaHAJIOB
u aHu3oTponuu. C UX HOMOLIBIO OBUIM 3aKapTHPOBAHBI 30HBI IEPBHYHON MEX3EPEHHOH U MEKYACTUIHOIT 110-
PHUCTOCTH, a TAKXKE BTOPUYHON NOPUCTOCTH (Pa3phIBbl, TPELIMHBI U IIycTOTHI). ClenaH BbIBOJ, YTO MOJOOHBIE
HCCIIE0BAaHNs MTO3BOJISIOT TAKXKE BBIIBUTH CBA3aHHYIO M HECOOOIIAIOIIYIOCS MOPUCTOCTH M, TAKUM 00pasoM,
OLICHUTH (Y PEKTHBHYIO TOPHCTOCTH BIOIb CKBAKHHBI.

Baccetin Kamnoc, anvbckuii kapbornamuwiil KOJLIEKmMop, oyenka nopucmocmu, ouazpammol I’ UC

ESTIMATION OF THE SIZE AND TYPE OF POROSITY IN AN ALBIAN CARBONATE RESERVOIR
OF THE CAMPOS BASIN, SOUTHEASTERN BRAZIL

A.G. Carrasquilla, C. de Abreu

The Albian carbonates of the Quissama Formation in the Campos Basin, southeastern Brazil, are impor-
tant oil reservoirs. They make part of a carbonate platform that formed along the eastern coast of Brazil and the
western coast of Africa during the Albian, which resulted in the opening of the South Atlantic Ocean. Subse-
quently, this reservoir was subjected to different postdepositional diagenetic processes. The present study utilized
geophysical well logs to estimate the porosity of this reservoir, based on density, neutron porosity, and sonic logs.
The estimates do not show good results when compared with the laboratory measurements. Then, exploring the
fact that these logs are obtained with different physical principles, a multiple linear regression and an artificial
neural network with Bayesian stochastic approach were applied, which resulted in a better porosity estimate. As
porosity is a petrophysical parameter considered significant in the characterization of reservoirs, it was used, here-
after, to estimate permeability and water saturation of the reservoir, applying empirical equations. From there, it
was not enough just to estimate the porosity, but was necessary to know what type it is. For this purpose, the con-
cepts of the electrical formation factor, cementation coefficient, tortuosity, and anisotropy were used. With them,
the zones with primary intergranular and interparticle porosity as well as secondary porosity, such as fractures,
fissures, and vugs, were mapped. It was concluded that, with studies of this type, it is also possible to identify the
connected and nonconnected porosities, which permits estimation of the effective porosity along the well.

Campos Basin, Albian carbonate reservoir, porosity estimates, geophysical well logs

INTRODUCTION

The estimation of petrophysical parameters from log data is of supreme importance for evaluation of the
quality of hydrocarbon reservoirs, identification of exploratory potential, and management of production wells.
Porosity (¢) is the void or space inside the rock, which is especially useful for storing fluids; it is also useful in
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the transmission of these fluids in the case of good permeability. In addition, other petrophysical parameters,
such as permeability (k) and water saturation (S,), are derived from its estimation through empirical relation-
ships. The porosity cementation exponent (), the connected (¢,) and unconnected (¢,.) porosity, the electrical
formation factor (£, and the tortuosity coefficient (1) can also be calculated from ¢ (Kennedy, 2015).

Direct measurements for determining ¢ are made in the laboratory using volumetric or petrographic
analysis of small rock samples. Because of the expense of obtaining samples to measure ¢, typically, only a few
wells are cored. The wells that do get cored are usually appraisal wells, drilled early in the life of the reservoir,
and key wells throughout the reservoir (Schon, 2011).

Indirect methods to estimate ¢ are commonly applied with geophysical well logs. Logs are routinely
performed in wells, if only to identify the depths of the productive intervals. The three more common open-hole
logs used to evaluate ¢ are sonic (D7), density (RHOB), and neutron (NPHI) logs. Other logs used to determine
it include nuclear magnetic resonance (NMR) tools and the electromagnetic-propagation tool (EPT); however,
they are not very frequent. Thus, ¢ estimation is an important step in the log analysis, and it could only be done
correctly after a good lithology interpretation (Ellis and Singer, 2007).

Accurate determinations of petrophysical properties in carbonate reservoirs (i.e., ¢, k, and S,) require
detailed knowledge of pore types. Traditional methods of estimating hydrocarbon reserves are also sensitive to
variations of the pore types. Usually, NPHI and RHOB wireline logging devices are assumed to indicate total
porosity (¢,). However, in this study, the estimate that best fits the laboratory experimental porosity data (¢,,,)
will be considered ¢,. In reservoirs in which moldic or separate (vug) porosity exists, a distinction between
moldic and interparticle porosity is especially important for precise determination of petrophysical properties.
Conventionally, a DT log is chosen to provide information on the volume of moldic porosity. However, as the
DT tool is commonly considered to be of secondary importance, acoustic logs are uncommon in many datasets.
Resistivity (RT) logs can also provide valuable information on the volume of moldic porosity in much the same
way as sonic logs do. Accordingly, a well-constrained methodology for determining the moldic pore volume
from RT logs offers great potential for improving the accuracy of reservoir-wide petrophysical calculations
(Lucia, 1983).

GEOLOGIC CONTEXT

The Campos Basin is limited to the north by the Espirito Santo Basin, through the Vitéria Arch, and to
the south, by the Santos Basin, through the Cabo Frio High. It occupies an area of about 115,800 km?, of which
only 500 km? are not immersed (Fig. 1). Its origin is related to the rupture of the Gondwana Supercontinent,
which started from the Lower Cretaceous. The regional tectonostratigraphic evolution is divided into three su-
persequences, called Rift, Postrift, and Drift (Bruhn et al., 2003).

The Albian Quissamd Formation, the focus of studies of this work, is included in the Drift superse-
quence; it corresponds to the free marine stage of the Campos Basin, which was deposited between lower and
middle Albian, corresponding to the basal portion of the Macaé Group. It consists of a thick carbonate section
that reaches 800 m in some portions of the basin. Lithologically, oolitic, oncolitic, and peloidal calcarenites and
calcirrudites predominate, with increasing intercalations of calcisiltites, calcilutites, and marl toward the top.
The base of this unit, in the south and central regions of the basin, is generally dolomitized, being called the
Buzios Member. The lower limit of the Quissama Formation corresponds to a discordant surface, with abrupt
contact between the Albian carbonates and the evaporitic deposits of the Retiro Formation, of Aptian age. The
upper limit is equivalent to a maximum flood surface, expressed in regional stratigraphic landmarks called Beta
and Glauconitic; the proximal portion is dated from the Mesoalbian. Capping the Quissama Formation, the Out-
eiro Formation is composed of calcilutites, notably bioclastic mudstones rich in microfossils, and intercalations
of marl and shales, reaching 300 m in thickness. The depositional model referring to the Quissama Formation
includes, on the southwest margin of the basin, lagoonal and beach environments, which gradually evolved into
a regional carbonate platform, with elongated oolithic benches in the NE-SW direction. The depositional geo-
morphology would be that of a carbonate ramp, with a low dip in an east—northeast direction, strongly affected
by halokinetic movements from the Eo-Mesoalbian limit (Fig. 2). This adiastrophic tectonics influences the
substrate morphology, leading to the formation of low deposits and high areas, which control the faciological
variation observed throughout the Quissama Formation (Okubo et al., 2015).

MATERIALS AND METHODS

In the studied oil field of this basin, named Oil Field B, one existing well was selected to carry out this
research for having a better dataset. Well B17 has a dataset formed by the basic suite of geophysical well logs,
with gamma ray (GR), RT, NPHI, RHOB, and sonic DT along with lithological and petrophysical laboratory
measurements.
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Fig. 1. Location of the main oil fields of the Campos Basin. The red dashed rectangle shows the oil field
considered in this study.

Oil fields: GP, Garoupa; PG, Pargo; GPN, Garoupinha; BG, Bagre; NA, Namorado; BD, Badejo; CH, Cherne; EN, Enchova; BI, Bicudo;
PM, Pampo; BO, Bonito; LI, Linguado; CO, Corvina; VL, Viola; PA, Parati; CG, Congro; PU, Pirauna; ENO, Enchova Oeste; ANQ,
Anequim; CRP, Carapeba; TR, Trilha; VM, Vermelho; MO, Moréia; MA, Marimba; AB, Albacora; MRL, Marlim; MLH, Malhado; ABL,
Albacora Leste; FR, Frade; MLL, Marlim Leste; VD, Voador; NEN, Nordeste de Namorado; MLS, Marlim Sul; ESP, Espadarte; BR, Bar-
racuda; B1J, Bijupira; SA, Salema; CRT, Caratinga; RO, Roncador; JUB, Jubarte; CHT, Cachalote (modified from (Bruhn et al., 2003)).

Initially, the logs were plotted, interpreted qualitatively, and compared with the available lithology. Then,
the porosity was estimated using NPHI, RHOB, and DT logs individually. Among these logs, only the NPHI log
directly measures porosity, while RHOB and DT estimate this parameter based on theoretical or empirical con-
siderations. The measurements obtained from them are not only dependent on the porosity but are also depen-
dent on other rock properties, such as lithology (rock type: sandstone, limestone, shale, etc.), the fluids occupy-
ing the pore spaces, the wellbore environment (type of drilling fluid and hole size), and the geometry of the
pores. Since many variables may impact the log readings, corrections need to be applied to the log interpreta-
tions and the three logs are typically evaluated together to determine the best estimate of the porosity of rock
formations. The log evaluations are also calibrated against sample porosity in wells where cores, plugs, and logs
are available. Thus, this joint analysis of porosities provides a perspective to understand the distortions between
them. These biases might come from the different physical approaches on which each log is based to estimate
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Fig. 2. a, Generalized geologic section for the Eastern Brazilian continent-marginal basins.

The main megasequences are PR, prerift (which does not occur in the Campos Basin); R, rift; T, transitional (which includes the evaporate
section); SC, shallow carbonate; MT, marine transgressive; and MR, marine regressive; b, zoom of the stratigraphy of the postsalt carbon-
ates of the Campos Basin, emphasizing the studied portion, the dolomites and the calcarenites of the Quissama Formation (QM) (modified
from (Okubo et al., 2015)).

porosity. The porosity of a zone can be estimated either from a single “porosity log” or a combination of poros-
ity logs to correct for variable lithology effects in complex reservoirs. It can be seen that the physical principles
of each log used to estimate porosity are different and interact differently with the geologic formation. Thus, a
combination of these logs could be useful to estimate porosity, because it gives good indications for lithology
and more accurate estimates of porosity, which is one of the main objectives of this study (Luthi, 2001).

For instance, an NPHI log measures the amount of hydrogen in the formation being logged, emitting
neutrons from a chemical or electronic source, which collide with the nuclei of elements in the formation. Thus,
the neutron porosity (¢, is estimated using the following equation:

Onprr =2V ¢aapi ~2Vilyy, (D
1 i=1

where ¢, is the response of the neutron log (pu, porosity units); V; is the fractional volume of each mineral
or fluid (fraction); ¢, is the apparent neutron porosity (pu, porosity units); and /,; is the hydrogen index
(Schlumberger, 1989).
The DT log measures the acoustic transit time in the formation, and DT porosity (¢,;) obtained from this
log is expressed by the equation of Wyllie et al. (1956):
Atjyg — At

ma
=, 2
At —At,,,

DT
where A1), is the DT log (us/m); At,, is the transit time in the rock matrix (us/m); and Af,is the transit time of
fluids in rock pores (ps/m).

The RHOB log, meanwhile, measures the electron density of the formation emitting gamma rays from a
chemical source, which interact with the electrons of elements in the formation. The expression for ¢, the
porosity derived from the RHOB log, is also derived from (Wyllie et al., 1956):

¢ 6lag _Sma 3

RHOB — Sf_sma s ( )
where 8, is the measured log density (g/cm?); 6, is the density of the rock matrix (g/cm?); and 8, is the fluid
density (g/cm?), generally equal to that of the formation water (1.2 g/cm?).

As emphasized above, if the individual ¢ estimates do not work, there is the alternative of making a joint
estimate of them, exploring the fact that they come from different physical principles. To do this, initially, we
propose a multiple linear regression (MLR), the goal of which is to model the linear relationship between the
independent variables (§,p5» Oriop> and ¢57) and response variable (¢,, ;). The process is conducted using an
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Not connected porosity

Fig. 3. Relationship between unconnected porosity and Archie’s cementation coefficient (adapted from
(Focke and Munn, 1987)).

inverse algorithm that employs the Levenberg—Marquardt approach, which is applied to solving nonlinear least-
squares forward problems (Olive, 2017). Still, if this approach does not go well, it is proposed to use a non-
linear stochastic approach in the direction of artificial neural networks. For this, the approach of Bayesian
regularized artificial neural networks is proposed, which is a mathematical process that converts a nonlinear
regression into a “well-posed” statistical problem in the manner of a ridge regression. In this case, the input
of the algorithm would be ¢,pp Prios and ¢, and the output would be ¢, (Burden and Winkler, 2008).

Archie (1942) developed his famous equation to calculate, from well log parameters, S, of the uninvaded
zone in a formation next to a borehole:

R
Sp = 4)

(o7R,)

where S, is the water saturation of the uninvaded zone (%); n, saturation exponent; R, , formation water resistiv-
ity at formation temperature (Ohm-m); ¢,, total porosity (%); m, cementation exponent; and R,, true resistivity
(Ohm-m). Fortunately, n does not change much, between 1.5 to 2.5. However, as shown in Fig. 3, m com-
monly takes values that change between 1.9 to 4.4 when unconnected porosity (¢,.) increases within the same
total (¢,) and connected (¢.) porosity, while ¢, = ¢, + ¢, (Serra and Serra, 2004).

In his experiments, Archie (1942) began with naming the ratio of the resistivity of the fully water-satu-
rated rock sample (Ohm-m) (p,) to the resistivity of the water saturating the pores (Ohm-m) (p, ) the resistivity
formation factor F. It depends also on ¢ in the form of an inverse power law of m, as it appears in the second
factor of Eq. 5, but the equation can be arranged as it appears in the last factor:

F=boo g =44, 5)

w

where p_, p,, m, and ¢, are as explained before. Archie (1942), Glover (2009, 2016), Ellis and Singer (2007),
Gartner and Suau (1980), Lucia (1983), Ahr (2011), and Focke and Munn (1987) made extensive analyses in
their studies in relation to the values of F" and m in different rock conditions of porosity and fluids.

The secondary porosity partition by the DT log has been widely used to estimate the apparent porosity
exponent by applying the Nugent equation, which has the form of the first factor of Eq. 6 and, by replacing the
¢, by the ¢, estimate, we obtain a modification of this equation, as it appears in the second factor (Tiab and
Donaldson, 2012):

. :_2-10g(¢DT):_2-10g(¢C) ©)
‘ log(¢,) log(¢,)

where m_ is the apparent porosity exponent and ¢, ¢, and ¢, are as explained above. The DT log could be re-

lated to ¢, by
_ ¢t — d)DT
(])nc_( 1_¢t ]a (7)
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which simply represents a rescaling of the secondary porosity to the matrix volume rather than to the bulk vol-
ume, while ¢, is then (Doveton, 2014)
42
(I)c — (d)DT ¢l ] . (8)

1_¢t

However, there exists another useful parameter related to £, electrical tortuosity (t). It is a ratio that
characterizes the convoluted pathways of electrical conduction through porous media, which is often written as
in the first factor of Eq. 9, but it can also be expressed as in the second factor of this equation (Wyllie, 1957):

T=Fo, =4 " (€))

Essentially, T measures the path sinuosity inside connected pores of the rock, and it is a petrophysical
parameter that can be related to the rock permeability (Ahr, 2011).

As laboratory permeability experimental data exist in the dataset in the form of total (k,), horizontal (k,),
and vertical (k) permeabilities, they were incorporated into this study as a complement to the previous porosity
estimates. To do this, the permeability anisotropy (g) coefficient was calculated as the square root of the ratio
between k, and &, (Sahin et al., 2007):

ki,

g= - (10)

v

Finally, when good-quality core data are not available, k estimates can be made from empirical equations,
which is controlled by factors, such as pore size and pore-throat geometry as well as porosity. To take some
account of these factors, Timur (1968) developed an empirical equation to estimate kt:

10%¢”
SC

wirr

k, , (11)

where £, is the total permeability (mD); ¢, is as defined above; S, is the water saturation (pu); and a =4, b =

4.5, and ¢ = 2 are regression constants (Lucia, 1983). There exist different ways to estimate S ., but in this
work, it was estimated from an S, vs. depth plot in the hydrocarbon-bearing zone. In this portion of the well,
where there is the highest oil saturation and the minimum water saturation, this last one is S . (Tiab and Don-

aldson, 2012).

RESULTS

Initially, a qualitative petrophysical analysis was performed for the geophysical logs of Well B17. Figure
4 shows, from left to right, the GR (track 1), RT (track 2), NPHI (track 3), RHOB (track 4), and DT (track 5)
logs and the lithologic column (track 6) proposed by Petrobras (2012) for this well. Thus, the description, by
depth range, is as follows:

— between 0 and 50 m depth, the GR log indicates high values (> 30° API), related to the presence of
mudstone. The RT log shows low values (<20 Ohm-m); the NPHI log, porosity values with an average of 20%;
the RHOB log, densities above 2.2 g/cm?; and the DT log, average values of 250 us/m. At a depth of 20 m, the
high value that the DT log shows is notable (up to 420 ps/m), which may be related to the presence of fractures;

— between 50 and 90 m, the GR log shows low values (around 20° API), related to the presence of grain-
stones, packstones, and wackestones at these depths, which is the carbonate reservoir of this field. The RT log
shows high values (between 20 and 1000 Ohm-m), mainly owing to the presence of hydrocarbons in the pores
of this reservoir. The NPHI log is characterized by porosity values between 20 and 35%, showing an interval
with good porosity, compatible with an Albian carbonate reservoir. The RHOB log shows densities around
2.2 g/cm?, within the carbonate range (1.93-2.90 g/cm?). Finally, the DT log is characterized by values above
250 ps/m;

— between 90 and 120 m, the GR log indicates values between 15 to 30° API, related to the presence of
grainstones, packstones, and wackestones, but without reservoir characteristics. The RT log shows falling val-
ues, from 100 to less than 10 Ohm-m, indicating the presence of an aquifer horizon. The NPHI log is character-
ized by porosity values between 10 and 20%, showing a decrease in porosity in the aquifer. The RHOB log
shows densities around 2.3 g/cm?, again within the carbonate range. Finally, the DT log demonstrates ascending
values from 250 to 300 ps/m;
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— between 120 and 160 m, the GR log shows  Table 1. Goodness of fit for porosity estimates
values between 15 to 30° API, related to the pres-

ence of mudstones. The RT log shows falling values, Type of porosity R RMSE
from 10 to 1 Ohm-m of a mudstone layer. The NPHI ~ Oweus 0.21 21.08
log is characterized by porosity values between 10 ¢z05 0.07 0.09
and 25%, demonstrating a rise in porosity in this ¢, 0.32 0.07
layer. The RHOB log shows densities ranging from - 0.42 0.06
2.3 to 2.5 g/ecm?. At a depth of 150 m, it is possible

v 0.65 0.02

to observe low density, up to 1.7 g/cm3, which can
be attributed to the presence of vugular porosity or
any problem in measuring the RHOB log. Finally, the DT log shows rise values from 190 to 280 ps/m.

After this examination, the porosities were estimated for Well B17 using NPHI, RHOB, and DT, along
with the estimate that mixes these three through a multiple linear regression (MLR) and an artificial neural net-
work (ANN) approach, which were plotting together with the laboratory porosity (¢,,,, in black dots) (Fig. 5).
Tracks 1 to 5 show estimates for ¢ypr Oriop Oor Purr and § 4y, respectively. As this figure shows, the fits
between the first three estimates and ¢,,, data are not particularly good. This is confirmed by the statistical
analysis of the quality of these adjustments, as shown in Table 1. The ¢, €stimate is the worst, as it shows
exceptionally low Pearson’s determination coefficient R’ = 0.07, but a good root mean square error RMSE =
0.09. Next, ¢, has an R? = 0.21, better than ¢,z but a high RMSE = 21.08. The ¢, appears better than the
previous two, with R? = 0.32 and RMSE = 0.07. The ¢,,, , shows R’ = 0.42 and RMSE = 0.06. The best estimate,
however, is the ¢ ,,,, Which presents R’ = 0.62 and RMSE = 0.02. These results show that the porosity estimate
improves when we mix these estimates made using different physical methods.

The coefficients of the MLR equation show a bigger positive contribution (0.78) of ¢, in this estimate,
with a negative contribution of ¢, and ¢p;,0p. With =0.0006 and —0.46, respectively (Eq. 12). This indicates
that for the geologic structure found in this well, the DT log is a more appropriate estimate for porosity, which
has already been shown in the values of R? and RMSE in Table 1.

duur = 0.15=0.0060 5 — 0.460 21105 +0.780 7 . (12)

NPHI

20 30 4 10° 10" 102 10°
°API Ohm'm

22 24 00 30
g/em® ps/m

Fig. 4. Basic logs of Well B17: track 1, gamma ray (GR); track 2, resistivity (RT); track 3, neutron porosity
(NPHI); track 4, density (RHOB); track 5, sonic or delay time (DT); track 6, lithologic section interpreted
by Petrobras (2012). 1, Mudstone; 2, Grainstones; 3, Grainstones/Packstones; 4, Wakestones/Packstones.
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Fig. 5. Porosity estimates in Well B17: track 1, neutron porosity (¢yp); track 2, density porosity (0gyop)s
track 3, sonic porosity (¢,); track 4, multiple linear regression porosity (¢, z); track 5, artificial neural
network porosity (¢,,y); track 6, connected and unconnected porosities.

In the case of the ANN estimate, Eq. 13 shows the relationship found between ¢ ,,,, and ¢,,,, which resulted
in R’ = 0.65 and RMSE = 0.02, demonstrating a good improvement in relation to the MLR estimate (track 5):

¢ v =0.649,,, +0.069 . (13)

In track 6 of Fig. 5, the connected (red curve, ¢_) and nonconnected (blue curve, ¢, ) porosities are plot-
ted. As can be seen in this figure, ¢, is important throughout the reservoir, with values close to total porosity
¢ vy (black curve), around 30%. The ¢,,. value is slightly larger at a depth of 20 m (5%), where there is sealing
rock, and after 90 m (10%), where there is no reservoir. The peak at a depth of 150 m (up to 40%) is attributed
to the presence of unconnected porosity (perhaps, vugs).

Having a more reliable estimate of the porosity, we proceed to estimate other petrophysical parameters,
such as k,and S, . Thus, track 1 in Fig. 6 shows the ¢, (red curve) and ¢,,, (black dots), and track 2 shows the
permeability £, estimated using the Timur approach (magenta curve) and plotted together with the permeability
measured in the laboratory (k, ,5, blue dots). Finally, S, estimated in Archie’s equation using ¢,, (black dots)
plotted together with S, calculated with Archie’s equation, but using ¢,,,,. Table 2 helps us to analyze the qual-
ity of each adjustment. In the case of ¢ ,,,, the analysis is the one made above. In the case of k, Table 2 shows
an R? = 0.54, worse than the porosity estimate, but a higher RMSE = 3.34. In the case of S, we see an excellent
value for R? = 0.97 and a low RMSE = 0.17. This leads us to conclude that despite a not particularly good fit in
the porosity, this bad estimate is not transmitted to the k, and S, cases.

Figure 7 presents the ¢p;,o5 VS. ¢ 7 cross-plot (a) and m and 7 plots (). In part 4, according to Hakimi et
al. (2012), number 1 shows the primary intergranular connected porosity, above the 45° line. Number 2 shows
the secondary porosity, below the 45° line, with fractures, fissures, and unconnected microporosity. In part B of
the same figure, the plots of Archie’s parameters, m (left) and t (right), are presented. According to Ohen et al.
(2002), for m = 1.4, these are fractures (a); m = 2.0 is intergranular, intracrystalline, and/or interparticle poros-
ity (b); m > 2.3 are vugs (¢); and m > 3 is moldic porosity (d). The t plot, meanwhile, demonstrates low values
(<10) between the 20 and 110 m depths, which is where the reservoir is located, showing that the flow in this
interval is less tortuous, which increases &, For
depths less than 20 and greater than 120 m, the val- Table 2. Goodness of fit for porosity, permeability,

ues are higher than 20, which indicates tortuous and water saturation estimates

paths for the flow of liquids. Parameter R RMSE
Finally, Fig. 8 shows the values measured in

the laboratory, on samples, for k, (track 1) and %, Bany 065 0.02

(track 2). Tracks 3 and 4 show the permeability an-  # 0.54 3.34

isotropy coefficient (g) and the &, vs. k, cross-plot, S, 0.97 0.17
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Fig. 6. Estimates of track 1, multiple linear regression porosity (¢,, z); track 2, Timur’s permeability (k,);
track 3, Archie’s water saturation (S,).

respectively. Between 50 and 100 m, &, and &, are remarkably similar, which is corroborated by the value g =1
(that is, an isotropic geologic horizon) (track 3). This zone is precisely where the reservoir is located, high-
lighted by the grainstone lithology, which presents the best production rates. Anisotropic geologic media, with
1 <g<1(g=#1),occur at depths outside the range mentioned before (track 3). The cross-plot of this figure il-
lustrates that the biggest differences between the two permeabilities appear when the values are outside the 45°
line, in the blue dots of the graph, precisely at low depths (track 4).

CONCLUSIONS

In this work, Well B17 of Oil Field B, Campos Basin, Southeastern Brazil, was selected to understand
the porous system of the reservoir. This borehole was drilled through an Albian carbonate reservoir of the Quis-
sama Formation. In this reservoir, porosity was estimated in the traditional way, using the density, neutron
porosity, and sonic geophysical well logs. This did not result in good estimates compared with the porosity
measurements performed in the laboratory. Taking advantage of the fact that these estimates are made with logs
that use different physical principles, a multiple linear regression that employs the Levenberg—Marquardt meth-
od and an artificial neural network with a Bayesian stochastic approach was performed with these porosities,
which were better than the initial ones. After that, important petrophysical parameters, such as permeability and
water saturation, were estimated using empirical equations. From that point, interest arose in estimating not
simply the porosity size but also its type along the wellbore. For this purpose, concepts from Archie’s equation
were used, such as the electrical formation factor, cementation exponent, and tortuosity along with the perme-
ability anisotropy coefficient. The results indicate that this reservoir has a complex geology and that it is not
easy to estimate porosity through the logs. Even so, the criteria used to know the porosity type showed the areas
with primary (intergranular and interparticle type) and secondary (fractures, fissures, and vugs) porosity. The
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Fig. 7. a, Cross-plot ¢,,-; VS. ¢35 b, m and 1 plots vs. depths.

A, porosity: 1, primary porosity, intergranular connected, above the 45° line; 2, secondary porosity, fractures, fissures, micro porosity
unconnected, below the 45° line (Hakimi et al., 2012). B, cementation coefficient: a, fractures, m = 1.4; b, intergranular/intercrystalline,
m=2.0; c, vugs, m > 2.3 (Ohen et al., 2002).

tortuosity values are lower in the areas of primary porosity and high in the areas of secondary porosity, demon-
strating that a better flow exists at the depths with intergranular and interparticle porosity. Finally, the perme-
ability anisotropy coefficient shows values close to 1 along the grainstone reservoir and higher values at the
shallowest (<50 m) and greatest (>100 m) depths.
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